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Summary
The Cascade and Chinook Project is located in the Walker Ridge 
area in the Gulf of Mexico (GOM), 250 miles south of New 
Orleans in depths between 8,200 and 8,900 ft. The oil-producing 
reservoir is in the Lower Tertiary Wilcox formation, with a gross 
sand thickness of 1,200 ft. The reservoir midpoint is at an aver-
age depth of 25,600 ft true vertical depth subsea (TVDss), with a 
bottomhole pressure of 19,500 psi and a bottomhole temperature 
of 260°F. The reservoir comprises vertically stacked thin beds of 
sand and fine-grained-siltstone intervals with effectively no vertical 
permeability. Additional information on this project can be found 
in Moraes et al. (2010).

Multiple limitations were considered during the initial design 
phase of the frac-pack program. The fracs were designed taking 
into account the use of a single-trip multizone (STMZ) sand-con-
trol system. Some of these design challenges are briefly discussed 
by Cunha et al. (2009). Although this system was not crucial in 
the overall implementation of the frac program, it added additional 
complexity from an operational standpoint because of a continu-
ous, multistage frac operation. Some of the operational limitations 
included service-tool erosion limitations because of maximum 
pump rates and proppant volumes, overall frac-vessel capacity, 
boat-to-boat fluid transfers, and crew fatigue. The geological 
complexities of the reservoir were another major challenge in 
completing this very thick interval. Perforation intervals had to 
be placed to avoid a fault (and thus a potential early screenout), 
avoid a water contact, comply with tool-spacing limitations, and 
still maximize contact with net pay. 

This paper addresses the approach taken to develop a fracture-
stimulation program for the Lower Tertiary formation in the Cas-
cade and Chinook Project. Some of the major questions addressed 
during this process include the following: How many fracture 
treatments are needed? What is the optimum fracture geometry? 
What is the desired conductivity? How to effectively position the 
perforation intervals? What is the desired pump rate, and is a high-
density fluid needed to fracture this deep, high-pressure formation? 
The approach, the answers, and the treatment are discussed along 
with responses to additional questions that arose during the actual 
fracturing operations. 

Along with the Lower Tertiary in the GOM, the industry faces 
similar challenges around the world. These include reservoirs with 
potentially large reserves but much lower permeability (caused by 
depth and in-situ stresses) where fracturing is required for both 
stimulation and potential formation-collapse sand control. Care-
ful planning is necessary to avoid costly learning curves in these 
envir onments.

Introduction 
At the beginning of the process of conducting feasibility studies 
and the preliminary treatment designs for what is considered to be 
one of the deepest fracture treatments in the history of the industry 
(Halliburton Energy Services 2011), there were no existing data 

or any history on the Lower Tertiary for guidance. The only frac 
data available from the Lower Tertiary were those of the Jack Well 
Test (Jack 2 well) conducted by Chevron in 2006. Although the 
data from the Jack Well Test were partially used to formulate the 
“basis of design” for the Cascade and Chinook Project, they are 
not discussed in this paper because the data remain confidential. 
Furthermore, most of the experience in the GOM was geared 
toward pumping frac packs in high-permeability formations such 
as the Miocene formation for the primary purpose of sand control. 
We recognized early on that the mindset had to change when 
dealing with the Lower Tertiary formation. The focus had to be 
shifted from a “soft rock” frac-pack completion to a “hard rock” 
hydraulic-fracturing completion similar to what is done in the 
Wilcox formation in south Texas. This type of hard-rock fractur-
ing is discussed by Britt et al. (2006). The secondary objective 
was to design a sand-control completion for the primary purpose 
of retaining the proppant pack and eliminating the all too familiar 
problem of proppant flowback in “screenless” hard-rock fracturing 
completions.

We set out to develop a process that outlines an initial pro-
cedure for developing a basis of design for future Cascade and 
Chinook hy draulic-fracturing treatments. The general goal of this 
initial planning phase was two-fold: (1) to develop a com plete and 
comprehensive set of fracture-treatment design data to be used in 
developing the preliminary treatment designs and evaluation of 
material-selection options and (2) to identi fy key questions for 
future wellsite data collection and execution. 

The following is the outline that was used to develop the frac-
turing program:

1. Rock mechanics. 
• Review and compile all existing stress data including past 

fracture treatments and leakoff-test data. 
• Review existing rock-mechanics laboratory data, and deter-

mine core availability for future testing.
• Define critical data needed.
• Select core take points for additional core tests (stress/strain 

over a range of confining pressures). 
• Stress/strain testing for failure envelope, residual grain-size 

distribution after failure for screen sizing (if needed). 
• Conduct proppant-embedment study on cores (sand and shale)

under high confining stresses to simulate reservoir depletion.
• Develop a local correlation to convert the dynamic Young’s 

modulus to a static Young’s modulus
2. Materials.
• Frac Fluids. 
n  Gather details and history of frac fluid used on the Jack Well 

Test.
n  Define required fluid testing protocol.
n  Evaluate the need for shear-history testing of crosslinked-

borate systems.
n  Determine compatibility testing with cores and formation 

fluids.
n  Evaluate advantages and disadvantages of using a weighted 

fracturing fluid. 
® Determine long-term stability of fluid rheology.
®  Review available data from service-company information.
®  Review case histories where weighted fluid systems were 

used.
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® How beneficial are they in reducing the treating pressure at 
high pump rates? 

® Can the use of such fluids be ruled in/out before the start of 
the completion program?

• Proppant.
n Review stress and temperature conditions for long-term pro-

duction with respect to type and size of proppant desired.
n Determine if special testing is needed.
3. Design approaches.
• STMZ system (four or five fracs with short perforation 

intervals). 
• Multitrip multizone (MTMZ) conventional system (three 

fracs with longer perforation intervals).
• Build a matrix to present results of simulation runs for STMZ 

vs. MTMZ [e.g., perforation interval, frac height, Xf , KfW, skin, 
productivity index (PI)] 

4. Sand-control issues.
• Determine the formation grain-size distribution. 
• Determine the need for special products to prevent fines 

migration.
5. Wellbore-volume effects. 
• Evaluate bullheading vs. spotting fluids.
6. Tool movements.
• Determine the maximum anticipated cool-down temperatures.
• Optimum weight-down and effects on work-string buckling.

Design Challenges 
The first well that was completed was Well A in the Cascade field 
in the Lower Tertiary (Wilcox) forma tion with three propped-
fracture treatments in the upper and lower Wilcox zones. Typ ical 
formation properties are in cluded in Table 1, with an openhole-
log section illustrated later in this paper. The challenge was to 
complete this very thick interval while avoiding fracturing into the 
oil/water contact and avoiding placing perforations near a fault at 
25,832 ft measured depth (MD). 

Major questions addressed for the preliminary design include: 
How many fracture treatments were needed? What would be the 
desired fracture half-length and conductivity? What would be 
the optimum perforation length and locations? What would be the 
desired pump rate, and was weighted frac fluid needed to fracture 
this deep, high-pres sure formation? 

The prefrac stress testing and the post-frac history matching 
mentioned in this paper were from the Cascade field only. A 
similar approach was used to develop the fracturing program for 
the Chinook field.

Completion Hardware. An STMZ sand-control completion system 
was selected for the Cascade and Chinook Project. The technology of 
the STMZ system is not new to the industry. It has been used success-
fully in much shallower completions (less than 15,000 ft) and at much 
lower bottomhole pressures. This was the fi rst time that this type of 
technology was used at depths, pressures, and operating conditions such 
as those in the Cascade and Chinook Project (Baker Hughes 2011). 

Reservoir modeling indicated that hydraulic fracturing was 
required to produce the wells at economic rates. Given the overall 
gross thickness of the Lower Tertiary reservoir (more than 1,200 
ft), each well would require multiple-stage fractures to stimulate the 
entire reservoir effectively. Conventional stacked frac packs were 
considered initially because of the extensive industry experience 
using this type of technology in the GOM. It was anticipated that 
it would take 30 days and eight round trips to install a conventional 
three-zone stacked frac pack vs. 14 days and three round trips for a 
five-zone STMZ system. Ultimately, an STMZ system was selected 
as the primary sand-control completion system for its significantly 
shorter installation time and cost savings. Although the STMZ sys-
tem was not essential for achieving the desired stimulation program, 
it added complexity, which adversely affected the execution. 

This paper does not detail the deployment and use of the STMZ 
system but briefly discusses its effects on the design and execution of the 
frac jobs. Additional information on the STMZ system is discussed by 
Ogier et al. (2011). Although this technology is still considered new to 
the Lower Tertiary and similar deep reservoirs, we believe that it is a step 
in the right direction to ensure an efficient and less-risky completion.

Perforation Designs. The perforating philosophy also had to 
change. The perforating intervals were now considered as a means 
to “initiate” a fracture and take advantage of the in-situ stresses to 
achieve the optimum geometry. This is discussed by Lestz et al. 
(1999). Again, the usual mindset had to change from perforating 
all the net pay in soft-rock formations to limiting the perforation 
intervals and relying on the fracture geometry to contact all the pay 
intervals. Data on the perforating-gun system (charge type, shot 
density, phasing) can be found in Sanders et al. (2011).

Two simulation runs in the Wilcox 2 sand of a Cascade explora-
tion well were performed to demonstrate the effectiveness of properly 
positioning the perforation interval to take advantage of the in-situ 
stresses. Both cases were simulated with a gridded, planar 3D fracture 
simulator using the same stress profile, pump schedule, and pump rate. 
Fig. 1a was simulated by positioning the perforations at the top of the 
interval, which resulted in an upward “height growth” into the shale 
section and part of the lower Wilcox 1 sand while leaving the lower 

TABLE 1— AVERAGE FORMATION PROPERTIES  

Variable Estimated Value 

Formation Depth  
Water Depth  

25,100 ft TVDss  
8,143 ft 

 DVT tf 004 – 1 xocliW  ssenkcihT noitamroF
Wilcox 2 – 600 ft TVD (to water contact) 

  %02 ot  %61  ytisoroP

Permeability, k  Wilcox 1 – 10 to 110 md, k Avg ≈ 25 md 
Wilcox 2 – 2 to 30 md, kAvg < 10 md 

Reservoir Pressure  19,300 psi at 25,500 ft TVD – 0.75 psi/ft 
Fluid loss height, Hl Assume all sand is fluid loss H 

Fluid loss coefficient, C Wilcox 1 – 0.004 ft/√min 
Wilcox 2 – 0.003 ft/√min 

 Young’s Modulus, E 2 to 3X106 psi – Sand & Shale 
6 to 8X106 psi – Thin “Hard” Streaks 

Poisson’s Ratio 0.25 to 0.27 

In-situ stress  
Sand – 0.77 psi/ft 

  Maximum stress difference between sand/shale layers, 
100 psi 

(i.e., < 0.01 psi/foot of depth TVD) 
  F° 062 erutarepmeT noitamroF
 ged 71 sfreP revo noitaiveD
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part of the Wilcox 2 sand unstimulated. On the other hand, Fig. 1b was 
simulated by placing the perforations lower within the interval, result-
ing in more desirable fracture geometry across the Wilcox 2 sand. 

To accommodate the STMZ system, the entire Wilcox forma-
tion had to be perforated in a single gun run. This approach added 
additional complexities to the overall fracturing program because it 
eliminated the option of modifying the perforating intervals up the 
hole, as the case would be with a stacked frac-pack completion, if 
results dictated it after the initial frac stage. 

Operational Limits. In addition to the previously mentioned 
limitations, specifi c operational limits for the Cascade and Chinook 
fracturing program were determined and included the following:

• Maximum stimulation-vessel capacity
o 1,500,000 lbm of 20/40 US-mesh bauxite proppant 
o 6,200 bbl of 8.7 lbm/gal fluid
o 30,000 gal of acid
• Service-tool erosion limits
o 40 bbl/min
o 1,500,000 lbm of 20/40 US-mesh bauxite proppant
• Frac-pack completion-equipment spacing
o 120 ft of MD desired between perforated intervals to house 

the completion equipment
• Logistics 
o Can the vessel be resupplied with fluid and proppant on 

location?
o Safety of personnel when conducting boat-to-boat transfers
o Crew fatigue from continuous operations
o Weather

Geological Complexities. Another uncertainty identifi ed was the 
potential risk of exceeding the weight of the overburden (presumably
the vertical stress) and creating multiple competing fractures near the 
wellbore or, even worse, a horizontal fracture. This result would have 

been detrimental to the productivity of the well because the objective 
of hydraulically fracturing this highly laminated formation with zero 
vertical permeability was to allow the fracture to grow beyond the 
perforation interval and contact additional pay. Ultimately, we took a 
calculated risk relying on experience from completing similar hard-
rock formations in south Texas where high reservoir pressure and high 
in-situ stresses frequently lead to treating pressures very near (or above) 
overburden stress. These data are discussed by Gil et al. (2007).

Moreover, geologic limits (log interval in Fig. 2) included the 
following:

• How to effectively treat the entirety of this thick interval. 
• Avoid perforating near a major fault at 25,832 ft MD.
• Avoid the oil/water (O/W) contact at 26,357 ft MD by pre-

venting the fracture from propagating below 26,250 ft.

Preliminary Design Recommendations 
Desirable Fracture Xf and KfW. Pseudosteady-state “folds-of-
increase” calculations were used to give a preliminary estimate of the 
desired fracture length/conductivity. This type of analysis is discussed 
by Meyer and Jacot (2005). These calculations used values for net 
pay and permeability from Petrobras’ petrophysical analysis. The 
initial results, presented as a normalized PI (BOPD/psi drawdown) 
based on an oil viscosity of 20 cp, are summarized in Fig. 3. This 
suggests a desirable fracture of 150 ft 1/2-length, with more than 2 
lbm/ft2 proppant coverage using high-strength bauxite proppant. This 
would provide three times the deliverability of an unstimulated well. 
Assuming simple radial fracture geometry, this implies a job size of 
170,000 lbm of prop pant for each fracture treatment with three to four 
treatments needed to stimulate the entire forma tion thickness. 

Fluid-Loss Coeffi cient. Fluid loss is one of the most important 
variables in hydraulic fracturing. It is also a complex variable 
infl uenced by the formation permeability, relative permeability to 
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Fig. 1—Perforation-placement example.
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the leakoff fl uid, reservoir-fl uid properties, and fi lter-cake proper-
ties of the fl uid. The importance of this variable is discussed by 
Lacy (1997). Filter-cake behavior is measured in the laboratory 
as a fl uid-loss-control coeffi cient CW with units of ft/√min. Given 
the expected permeability in the Wilcox formation, fl uid loss is 
expected to be fairly low because of the reservoir-fl uid viscosity. 
A viscosity of 20 cp was used as an example to generate the results 

in Fig. 4. To determine the fl uid-loss-control performance of the 
gel fi lter cake, CW, laboratory tests were run using 35 lbm/1,000 
gal borate crosslinked gel (Fig. 4a) and 35 lbm/1,000 gal linear gel 
(Fig. 4b) on actual core samples from the Cascade fi eld. This shows 
a CW of approximately 0.003 ft/√min for the crosslinked fl uid. As 
anticipated, no fi lter cake was formed for the linear gel. 

These values, along with formation properties and reservoir-
fluid values, were used to calculate a total fluid-loss coefficient CT 
for the 35 lbm/1,000 gal crosslinked gel. This is seen in Fig. 4c for 
various values of formation permeabilities. This suggests a value 
of approximately 0.001 to 0.002 ft/√min for the Wilcox 2 and a 
slightly higher value of 0.002 to 0.003 ft/√min for the higher-
permeability upper Wilcox 1. Higher values of 0.003 and 0.004 
ft/√min were used for the preliminary designs. 

Young’s Modulus. Young’s modulus is a measure of the “stiffness” of 
a formation and is considered a major variable in determining fracture 
width and controlling net pressure inside the fracture. The importance 
of this variable is discussed in detail by Smith et al. (2001). A hard rock 
(i.e., high modulus) causes net treating pressure to be high, and thus 
makes fracture-height growth more likely. The best source of Young’s 
modulus data is stress/strain tests conducted on core samples. 

A few stress/strain tests for Young’s modulus were available from 
earlier studies, along with several uniaxial pore-volume-compress-
ibility tests (Fig. 5a). For these, a core sample is compressed axially 
while simultaneously increasing the lateral confining pressure to 
maintain zero lateral expansion. This type of test is discussed by Britt 
et al. (2004). Though this is a different stress path from a normal test 
for Young’s modulus, a value for Young’s modulus can be derived 
from these test results. In addition to these data, in preparation for 
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(a) 35 lbm/1,000 gal cross-linked gel (b) 35 lbm/1,000 gal liner gel 
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the Cas cade Well A fracture treatments, new stress/strain tests (and 
corresponding laboratory sonic-velocity measurements) were con-
ducted by NSI Technologies on sand and shale samples (Table 2) 
obtained from offset exploratory wells in the Cascade field.

These data were used to derive a static/dynamic modulus cor-
relation (Fig. 5b). This was then used with dipole sonic logs to 
generate a geomechanical stress profile for the Wilcox formation. 
This type of correlation is discussed by Lacy (1997).

Proppant Embedment. Given the geology of the Wilcox forma-
tion, the fracture treatments will have to penetrate and prop open 
a fracture through shale layers. This makes proppant embedment 
(Fig. 6a) a major concern because the proppant pack will be sub-
jected to high drawdown pressures during the life of the well, poten-
tially reducing the conductivity. Thus, laboratory embedment tests 
(Fig. 6b) were conducted on sand and shale samples from the Cas-
cade fi eld to better understand the effects of proppant embedment 

TABLE 2—NEW STRESS/STRAIN-TEST RESULTS (CASCADE FIELD)  

Sample Depth (MD ft) 
Young’s  

Modulus (MM psi) Poisson’s Ratio 
Confining  

Pressure (psi) Sample Lithology Porosity 

A 26,314.30 3.92 0.31 1,000 Shale 0.11 
B 27,122.75 1.38 0.3 1,000 Sand 0.21 
C 27,135.30 1.59 0.27 1,000 Sand 0.2 
C 27,135.30 2.12 0.25 2,000 Sand 0.2 
C 27,135.30 2.33 0.2 3,000 Sand 0.2 
D 27,645.20 3.59 0.29 1,000 Shale 0.12 
D 27,645.20 3.59 0.2 2,000 Shale 0.12 
D 27,645.20 3.81 0.14 3,000 Shale 0.12 

(a) Embedment Testing Schematic     (b) Scanning Electron Microscope (SEM) Image of a  
       Proppant Embedment Test 

   
 

(c) Shale Sample at 27,645.20 ft (Embedment Graph and Picture)
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Fig. 6—Proppant-embedment-test data (Cascade field).
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on the proppant-pack conductivity. This type of test is discussed by 
Britt et al. (2004). The proppant used to conduct the embedment 
tests was 20/40-US-mesh CarboHSP (Carbo Ceramics). This type 
of proppant was ultimately selected because of its strength and its 
ability to maintain good fracture conductivity under the high-con-
fi ning stress environments of the Lower Tertiary formation.

The results of the study are included in Fig. 6c for a shale 
sample and Fig. 6d for a sand sample. The measured embedment 
at 12,000 psi was approximately 0.28 lbm/ft2 in the shale and 
0.21 lbm/ft2 in the sand. A value of 0.28 lbm/ft2 (equivalent to an 
incremental width change of 0.036 in.) was subsequently used for 
all formations in evaluating treatment designs. 

Surface Treating Pressure. Given the overall gross thickness of the 
Wilcox formation, potential treating pump rates greater than 30 bbl/
min are needed to effectively stimulate the entire reservoir. Thus, 
the potential for high surface treating pressure was examined. The 
maximum treating rate of 40 bbl/min was set as the “upper design 
limit” caused by the qualifi cation of the service tool. The maximum 
treating pressure was set by the maximum-allowable pressure rating 

of the surface frac iron of 15,000 psi. Furthermore, the frac pump 
“kick outs” were designed to be set at 14,500 psi.

Because much of the fracture design data were developed from 
a Cascade exploration well, a treatment design was formulated to 
create a 150+ ft frac ture penetration with more than 2 lbm/ft2 baux-
ite coverage, as seen in Fig. 7a. The pump rate used for this design 
was 30 bbl/min. As seen in Fig. 7b, the expected treating pressure 
at the beginning of the frac job is 11,000 psi for 8.7-lbm/gal KCl 
vs. 9,000 psi for 10.5-lbm/gal NaBr2. The highest treating pressure 
with KCl fluid is well below the maximum operating pressure of 
the equipment (see discussion in preceding paragraph). Because 
the expected moderate fluid loss (caused by the viscosity of the oil 
and the small expected net pressure gain during the frac job) should 
make it possible to design treatments using rates of 30 bbl/min or 
less, the need for a weighted frac fluid system was eliminated.

Fracture-Treatment Design
The basis for design developed for the Cascade exploration well 
(including use of high-viscosity crosslinked gel to combat fluid loss 

(a) Cascade Exploration Well Simulation Treatment

(b) Predicted Treating Pressure at 30 bbl/min
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in the Wilcox 1 and the use of 20/40 US-mesh bauxite proppant)
was used to create preliminary treatment designs and then to com-
pare options (higher/lower rate, three vs. four fracs). 

First, a trial perforated interval was selected and basic fracture 
geometry studied by simulating simple gel injections (using a grid-
ded, planar 3D fracture simulator). 

For example, consider Stage 1 in Cascade Well A. The bot-
tommost pay targets were two Wilcox 2 sands at 25,925−26,068 
ft TVD. Thus, perforations straddling these two sands might be a 
good approach. However, simu lating a simple gel injection shows 
(Fig. 8) that the fracture has already penetrated into the water by 
the time it reaches the top of these two sands (after 25 min utes of 
pumping). Thus, this is an unacceptable op tion, and the price of 
staying away from the water may mean abandoning the bottom-
most Wilcox 2 sand. Thus, the perforation locations for this stage 
were dictated by the water at the bottom of the Wilcox. 

A second selection for perforations was 25,775 to 25,905 ft 
TVD. Simulations were then run for injecting 80,000 gal at 25 
and 35 bbl/min. The simulated growth of pene tration (xf) and 
height vs. volume is included in Fig. 9. This shows that increas-
ing the rate had a surprisingly small effect on fracture geometry. 
This also shows that a practical maximum for xf /height might be 
approximately 180 to 200 ft/360 to 390 ft. After that point (750 to 
1,000 bbl), very large volumes are required for insignificant gains 
in xf /height, and fluid efficiency is predicted to be 22%. 

For the actual design, the lower rate (25 bbl/min) was selected. 
The pump schedule is then planned for a tip screenout (TSO) to 
occur after pumping 750 to 1,000 bbl, with a fracture penetration 
of approximately 200 ft. Additional slurry is then pumped into 
the fracture to increase width. To achieve this, the efficiency of 
22% is used to define a first approximate schedule (Fig. 10a). 
This approach is discussed by Nolte (1986) and Martins et al. 
(1992). This gives a pad fraction of 67% (measured from the start 
of pumping pad to the start of the TSO). This first approximate 
schedule is then adjusted to provide the best proppant coverage. 
The final preliminary design and predicted fracture geometry is 
included in Fig. 10b. 

This process was repeated for two cases. The first case included 
three frac stages, and the second included four. Post-frac produc-
tion was then simulated with a 3D reservoir model to honor the 
actual geologic layering. The results are presented in Fig. 11 as a 
normalized PI (BOPD/psi), with the base case being a gravel-pack 
completion of the entire net pay with zero mechanical skin. The 
normalized PI for the two cases showed that adequate formation 
coverage could be achieved with three fractures vs. four. 

Prefrac Analysis 
Prefrac testing for all treatments consisted of a gel minifrac, followed 
by a step-rate injection test. The crosslinked fluid would be circu-
lated to the crossover tool, the tool would be shifted, and the minifrac 

Fig. 8—Fracture growth in Well A, Stage 1 (gel injection, 25 
bbl/min).
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conducted by bull heading the viscous gel into the formation while 
dis plac ing the work string to slickwater. After a suitable shut-in time, 
the step-rate test was pumped. A typical test is in cluded in Fig. 12.

Closure Pressure. For prefrac testing, the fi rst, critical step is to deter-
mine fracture-closure pressure because this is the “datum” for subse-
quent analysis. A step-rate injection test is useful for this purpose; by 
measuring the fracture-extension pressure, an absolute upper bound is 
placed on fracture-closure pressure. Pump rate is stepped up in small 
incre ments until fracture propagation is clearly indicated (by minimal 
increases in injection pressure for signifi cant pump rate increases, as 
seen in Fig. 13). In other words, the injectivity of the well [(bbl/min)/
psi] is increasing for each pump-rate increase, indicating some change 
in the downhole wellbore-fl ow condition. This presumably indicates 
an increase in the injection area (i.e., an increase in fracture length). 
In this case, the fracture is propagating at a pump rate of 5 bbl/min at 
an injection pressure of 21,869 psi. The intersec tion between the two 
behaviors (before and after fracture propagation) is defi ned as PEXT [in 
this case, 21,780 psi at 2.8 bbl/min (0.86 psi/ft)]. 

This is PEXT at 2.81 bbl/min; extrapolating the second (fracture-
propagation line) back to zero rate gives PEXT at “0” bbl/min as 
21,680 psi (0.85 psi/ft as compared with an estimated over burden 
stress of 0.80 psi/ft). This is discussed later. A good summary of 
step-rate tests and pressure-decline analysis for closure pressure 
(as discussed later) is found in Gidley et al. (1990). 

It seems logical that PEXT at zero rate might equal clo sure pres-
sure. There are ample anecdotal data supporting this type of analy-
sis, and it has been discussed with data from labora tory testing by 
Rutqvist and Stephansson (1996). There is little theoretical justifica-
tion for such a conclusion; however, we have seen many cases and 
discussed this matter with many who have reported similar findings; 
if PEXT is increasing with increasing rate, then this value of 21,680 
psi should be noted as a possible, approx imate value for PCL. 

The most common approach for defining closure pressure is to 
analyze a pressure decline to detect the tran sition from “fracture 
linear flow” (where fluid loss from the fracture controls the decline) 
to “formation lin ear flow,” (where the fracture is closed, and the 
ellip ti cally shaped region of supercharged reservoir  pressure begins 
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Fig. 11—Normalized PI for two completion options (Well A).
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to decline). Eventually, fracture linear flow transitions to “pseudo-
radial flow” where pressure turns and begins to return to reservoir 
pressure. Plotting pressure vs. shut-in time, the transition will be 
indicated by two periods where the pressure decline is a straight 
line (flat derivative dP/d√T) on the √time plot. An obvious transi-
tion is seen in Fig. 14a at √T = 1.4 and P = 21,800 psi. However, 
21,800 psi is greater PEXT. Thus, this cannot be fracture closure. 
Beyond that, there are multi ple subtle, short periods of possible 

linear flow, all showing the transition at approximately 21,700 psi, 
but no definitive value is possible. 

While the √T analysis treats the initial decline as linear flow, 
strictly speaking this is not true. The rigorous “straight-line” 
decline is pressure vs. the G-function, as discussed by Castillo 
(1987). As seen in Fig. 14b, the G-function results in a slightly 
more definitive value for PCL of 21,700 psi (0.85 psi/ft). An 
alternative analysis of the G plot was offered by Barree and 
Mukherjee (1996). This was to plot G × dP/dG vs. G (Fig. 
14c). When the pressure vs. G is a straight line, dP/dG will be 
a constant. Assuming dP/dG = m, then G × m will be a straight 
line extrapolating back to the origin (G = 0 and dP/dG = 0). The 
first deviation from this is taken to indicate closure (i.e., the end 
of the fracture linear flow). For tight rock, this can often be a 
powerful plot because in these cases the value of G at closure, 
GCL, is significantly > 1. This takes the behavior of interest, the 
slopes of the G plot (dP/dG), and multiplies these by a value 
> 1, thus, magnifying the behavior changes. However, for GCL 

< 1.0 (as for this case), this plot actually diminishes the differ-
ences, often making this a poor analysis technique for higher
fluid-loss formation. However, in this case, one can still identify 
a possible fracture closure at 21,710 psi (Fig. 14c). 

Ideally, the blue (G × dP/dG) line in Fig. 14c would be a straight 
line from the origin to the point where the fracture closes. In this 
case, the G × dP/dG data drop slightly below the ideal straight 
line. This is where this plot is very descriptive. This “belly” is a 
unique indicator of fracture-height recession. 

This height-recession behavior is created by the following 
sequence of events. First, the fracture initiates and propagates into 
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Fig. 14—Pressure-decline-analysis plots for Well A, Stage 1 (to determine PCL).
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the lower-stress “pay.” At this point, pressure must already be greater 
than PEXT. As the fracture grows in length, net pressure increases and 
the fracture may propagate up/down into adjacent higher-stress, lower 
fluid-loss layers (i.e., the over/underlying shale). When pumping 
stops, these higher-stress zones close first, forcing fluid back into the 
main part of the fracture. This causes a relatively slow rate of pres-
sure decline immediately after shut-in, creating the behavior seen in 
Fig. 14c. However, for this case, this was surprising because radial 
fracture geometry was expected (i.e., minimal height confinement).

Fracture Geometry. With a clear value of PCL = 21,700 psi, net 
pressure PNET (bottomhole treating pressure minus any downhole 
friction minus PCL) can be found. The behavior of net pressure vs. 
time then provides a qualitative indi cation of fracture geometry. 
However, for this case, the ob served closure pressure is greater than 
the estimated weight of the over burden (Table 3). Thus, complex 
frac ture behavior may be a possible concern. In fact, as dis cussed in 
the next paragraph, no such behavior was observed. This obser vation 
began with the absence of any signifi cant downhole friction. 

The calculated net pressure is used in the Nolte-Smith plot in 
Fig. 15a. This shows a slightly increasing trend of net pressure 
overall, suggesting a totally unexpected degree of height confine-
ment. Within this slow trend are periods with net pressure increas-
ing on a slope of 0.2 (PNET ∝ Time0.20) combined with periods of 
falling pressure indicating height growth. Quantifying this net-
pressure trend requires computer simulation. In this case, a planar 
fully 3D fracture-geometry model was used with the simulated 
net pressure included in Fig. 15b. This matches the slight upward 
trend in PNET. Also, it captures the up/down be havior but does not 
exactly match the observed data. Overall, there is good agreement 
between the simulated data and the actual observed be havior. This 
provided additional indication that there was no complex fracture 
behavior even though the injection pressure was higher than the 
estimated overburden. 

As noted, the height-confinement behavior was unexpected. 
Analysis showed this was caused by the effect of tectonic com-
pres sion on the “hard streaks” (heavily calcite-cemented sands) 

TABLE 3—ESTIMATED OVERBURDEN PRESSURE  

 TVD (ft) 
Pressure/Stress  
Gradient (psi/ft) Incremental Pressure/Stress (psi)

 096,3 54.0 002,8  retawaeS
Earth  8,200 − 25,600  004,71 0.1

 isp 090,12    latoT
0.83 psi/ft    

in the formation (see logs in Fig. 16). Minimum in-situ stress was 
expected to be approximately 19,500 psi on the basis of the dipole 
sonic log, but measured stress was more than 2,000 psi high er. Pos-
tulating a tectonic strain of 0.002 to increase stress in the Wil cox 
sand to the measured level created very high con fining stress in 
the hard streaks. This re sulted in the increasing net-pressure trends 
seen in the Nolte-Smith plot (Fig. 15). 

A possible theory for this shift in stresses would be if the 
formation was underlain by a massive salt that provides upward 
compression. This would increase the vertical stress beyond the 
weight of the overburden. Thus, even the elevated closure-pres-
sure gradient of 0.85 psi/ft (OB = 0.83 psi/ft) could still represent 
a normal (�h-min < �h-max < �V) or strike-slip (�h-min < �V < �h-max) 
stress state. The resulting vertical fractures would explain the lack 
of operational problems. 

The revised stress pro file was used to his tory match the mini-
frac, with the results seen in Fig. 15b. The geometry pre dicted 
from this match is included in Fig. 17. The hard streaks, caused by 
tectonic com pression, did indeed create height con finement. Later, 
this confinement slightly compromised the frac ture treatment, 
limiting fracture pen etration in the Wil cox 1 sand above 25,300-ft 
TVD and below 25,480 ft. For a later well, special care was taken 
in the planning to ensure that it was not necessary to fracture 
through a hard streak to contact all of the target pay. 

Post-Frac Analysis
Post-frac analysis included net-pressure history matching, radioac-
tive-tracer logs (the concern being can we stimulate/pack the long, 
200-ft perforated intervals), and temperature trends from bottomhole 
memory gauges. Post-frac, bottomhole pressure (BHP) data were 
used to review the treatment following the prefrac test analysis. 
This is included (along with a treatment summary) in Fig. 18a. The 
post-frac simulation used the same geomechanical model (stress, 
modulus, fluid loss) as the one used for the minifrac interpretation. 
Given the uncertainties created by the 15-minute shut-in period 
(mechanical problems related to the position of the service tool to 
obtain a “live annulus”), bot tomhole net treating pressure was nearly 

(a) Nolte-Smith Plot                                          (b) Net Pressure History Matching  

N
et

 P
re

ss
u

re
, P

cl
 =

 2
16

80
.0

 p
si

,
F

ri
ct

io
n

 =
 4

1.
0 

p
si

50
  

  
  

  
  

 1
00

20
0

dt
2.0 5.0 10 20

N
et

 P
re

ss
u

re
 (

p
si

) 
F

ra
c 

0

10
20

50
10

0
20

0

Time (min)
1.0 2.0 5.0 10 20

Measured Data

Simulated Data Frac 1

Fig. 15—Treating-pressure analysis (Well A, Stage 2).



March 2012 SPE Drilling & Completion 61

Fig. 16—Corrected stress log (Well A, Stage 2). 

Fig. 17—Minifrac geometry (Well A, Stage 2).

(a) Propped Fracture Treatment Summary
                           (b) Post-Frac PNet History Match

B
H

T
 (

F
)

20
40

60
80

10
0

12
0

14
0

P
ro

p
 C

o
n

c 
(P

P
G

) 
- 

B
H

 P
ro

p
 C

o
n

c 
(P

P
G

)

2.
0

4.
0

6.
0

8.
0

10
.0

12
.0

14
.0

S
lu

rr
y 

R
at

e 
(B

P
M

)

10
.0

20
.0

30
.0

40
.0

50
.0

60
.0

70
.0

T
r 

P
re

ss
 (

p
si

) 
- 

G
au

g
eB

H
P

 (
p

si
)

10
00

0
12

00
0

14
00

0
16

00
0

18
00

0
20

00
0

22
00

0

Time (min)
80 100 120 140 160

N
et

 P
re

ss
u

re
 (

p
si

) 
F

ra
c 

1

5.
0

10
20

50
10

0
20

0
50

0

Time (min)
2.0 5.0 10 20 50 100 200 500

Measured Data

Simulated Data

Fig. 18—Typical post-frac net-pressure analysis (Well A, Stage 2).



62 March 2012 SPE Drilling & Completion

equal to design predictions (Fig. 18b). However, note the surface 
pressure spike at approximately 168 minutes. With 8 lbm/gal on the 
perforations, a total, instant screenout occurred (Fig. 18a). 

This same behavior also occurred on a previous treatment. With 
no bottomhole gauge data across the entire interval (current tool 
configuration allows gauges to be housed only above the top per-
foration), there was considerable uncertainty as to what caused the 
abrupt wellbore screenout. The “instantaneous screenout” behavior 
suggested downhole-tool problems. However, the treatment was 
pumped above overburden pressure; thus, a secondary fracture may 
have formed causing total dehydration of the slurry near the well. In 
any case, the treatment above (Fig. 18a) was deliberately made less 
aggressive (compared with the earlier treatment; see Table 4) in terms 
of increasing pad volume and designing for smaller net-pressure gain 
(i.e., reduced conductivity with slightly greater penetration). 

The final geometry for this treatment (as compared with the 
initial predicted geometry in Fig. 19a) is included in Fig. 19b. 
This shows the effects of the hard streaks on the final fracture 
geometry. For this stage, high stresses in the hard streaks caused 
by compressive tectonics make it difficult to treat the thin sand 
(25,480 to 25,500 ft TVD), regardless of perforation placement 
or job size. For many other cases, the problems caused by these 
hard, high-stress layers can be alleviated by simply straddling these 
layers with the perforations (see Fig. 20 for a post-frac analysis 
summary of other fracture-treatment stages).

While the net-pressure analysis (and the lack of any downhole 
friction, perforation friction) supports the idea of a “simple” geom-
etry, the fact of injection pressure being greater than the estimated 
weight of the overburden was still a concern. This was alleviated 
by additional data. A radioactive-tracer scan collected when pull-
ing the bottomhole assembly indicated proppant coverage over the 
entire perforated interval, again implying a vertical fracture. 

Problems. Bottomhole temperature vs. time is plotted in Fig. 21. 
This shows contin uous fl ow past the gauge throughout the treat ment. 
Unfortunately, for the STMZ current tool confi guration, the tempera-
ture/pressure gauge is always located above the top of the perforation 
in the “blank” pipe. Therefore, these data offer no information about 

TABLE 4—SUMMARY OF CASCADE WELL “A” FRAC STAGES  

 
Mini-Frac 
Fluid Eff 

Vol Fluid 
(1,000 gal) 

Vol Prop 
(1,000 lbm) 

Rate 
(bpm) 

Pad Volume 
(as designed) 

Pad Volume 
(as pumped) 

Well A       
Stage 1 25% 53.5 103 25 32% 42% 
Stage 2 12% 95 175 30 28% 36% 
Stage 3 38% 72 186 30 37% 38% 

 
(a) Preliminary Design                        (b) Post-Analysis          
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Fig. 19—Initial design vs. final fracture geometry (Well A, Stage 2).

downhole fl ow over the perforated interval. The recorded temperature 
did confi rm much more downhole cooling than predicted. Subse-
quently, detailed tool examination and new tubing-movement calcula-
tions showed that the service tool had moved out of position, thus pos-
sibly causing the two total screenouts. Changes in procedures allowed 
the next treatment (Well A, Stage 3) to be pumped to completion, 
again with good agreement between predicted and measured pressure 
throughout. These data are discussed by Haddad et al. (2011).

Two additional failure mechanisms were analyzed to better under-
stand the cause of the instantaneous screenouts. The first mechanism 
was the possibility of a late breakdown of the lower part of the perfora-
tion interval during the “sand-laden” stages of the frac job. Although 
this failure mechanism is highly improbable (on the basis of the detailed 
stress analysis and radioactive logs), it cannot be ruled out completely 
because of the lack of the gauge data coverage (downhole flow) across 
the entire perforated interval (see preceding paragraph). Additional 
work is under way to reconfigure the service tool to allow the installa-
tion of multiple gauge carriers across the perforation interval. 

The second mechanism analyzed was the premature shearing of 
the crosslinked-borate fluid that would lead to a reduction in fluid 
viscosity and overall performance of the fluid. The reduction in 
fluid viscosity was analyzed as follows: (1) extra leakoff in critical 
areas near the wellbore and (2) limited ability to carry proppant 
“upwards.” Approximate simulations (using a gridded, planar 3D 
fracture simulator) showed no potential problem with either mecha-
nism. These simulations made no particular assumptions as to what 
shear rates the gel was subjected to before entering the fracture nor 
as to where the critical shear occurred (tools, perforations). Upon 
entering the fracture, the fluid was assumed to have a linear-gel 
rheology at wellbore temperature. This rheology was then held con-
stant as the fluid/proppant flowed into the fracture for 20 minutes 
where the fluid properties were switched to the crosslink properties 
at the current fluid temperature/time for that fluid element.

Conclusions 
On the basis of the extensive preliminary design work and post-
frac analysis performed on the Cascade field, the following was 
concluded:
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Fig. 20—Perforating across hard streaks to alleviate fracture-geometry problems (Well A, Stage 1).
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Fig. 21—BHT during treatment (Well A, Stage 2).

•  Given proper preplanning, the Lower Tertiary Wilcox forma-
tion can be stimulated effectively with a limited number of frac 
stages.

•  On the basis of the observed stresses in the Cascade field, the fracture 
geometry is expected to grow beyond each perforation interval.

•  Higher closure stresses were observed in the Cascade field than 
originally calculated. This could have been a result of higher 
tectonics because of salt intrusion from below.

•  The closure stresses in the Cascade field exceeded the estimated 
overburden stress, which was not detrimental to the fracs. This 
conclusion was confirmed by the radioactive tracer logs that 
showed complete perforation coverage.

•  Hard steaks in the form of calcite-cemented sands provide a 
height-confinement stress environment (in the presence of com-
pressive tectonics). Properly positioning the perforation intervals 
(i.e., straddling the hard streaks) can provide adequate fracture 
coverage without adding additional frac stages. 

•  The total screenouts observed in Stages 1 and 2 of Well A could 
have been the result of the following:

o Tool failure from frac port moving off position because of exces-
sive cool down of work string during frac job

o  Formation failure as discussed in the preceding section

Nomenclature
 Cw = fl uid-loss-control coeffi cient of gel fi lter cake, ft/√min

 CT = total-fl uid-loss coeffi cient, ft/√min
 Ct = total system compressibility for the reservoir, 1/psi
 dPs = net pressure at shut-in or ISIP minus closure, psi
 E = Young’s modulus, psi
 Effc = fl uid effi ciency from closure time 
 FCD = dimensionless fracture conductivity
 G =  dimensionless time function for post-fracture pressure 

decline
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 GCL = value of G at closure
 h = formation/fracture height, ft
 H = fracture height, ft
 Hl = fl uid-loss height, ft
 k = formation permeability, md
 kf = fracture permeability, md
 k-relfi ltrate  =  relative permeability of frac fl uid leaking off to formation 
 KfW = fracture conductivity, md-ft
 OB = overburden-stress gradient, psi/ft
 PCL = fracture-closure pressure, psi
 PEXT = fracture-extension pressure, psi
 Pe = reservoir pressure, psi
 PNET = net pressure, psi
 PsRad = pseudoradial fl ow
 W = fracture width, ft
 Xf = fracture half-length, ft
 � = formation porosity
 Ε = strain
 �  = stress, psi
 �h-min = minimum horizontal stress or closure pressure, psi
 �V = vertical stress or overburden, psi
 �h-max = maximum horizontal stress, psi
 �–oil = oil viscosity, cp
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